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Simulation of CO2 Storage in Saline Aquifers 

 

Saeed Ghanbari, Yousuf Al-Zaabi, Gillian Pickup, Eric Mackay, Fatollah Gozalpour, 

Adrian Todd 

 

Abstract 

This paper evaluates key parameters in CO2 storage in saline aquifers.  A reservoir simulator 

was used to simulate 30 years of CO2 injection followed by 470 years of shut in.  Two 

retention mechanisms were modelled: hydrodynamic and solubility trapping.  Solubility 

trapping was found to be the most important means for storing CO2.  This effect was 

enhanced by the creation of convective flow patterns which lead to a greater dissolution of 

CO2.  Tests were carried out on a homogeneous model, and the effects of CO2 diffusion in 

brine, vertical to horizontal permeability ratio, residual saturations, salinity and injection well 

completion interval were investigated.  Results were compared with those from other studies 

to develop a more general understanding of factors affecting CO2 storage. 

 

To increase the realism of this study, the effect of geological heterogeneity was also 

examined.  Three types of heterogeneity were investigated: low level random variations in 

sandstone permeability, stochastic shale layers and a fault.  The low level heterogeneity did 

not have a large effect, although it distorted the convective pattern, while the presence of 

shales did have a large effect.  CO2 tends to become trapped beneath the shale layers 

increasing the lateral migration.  The amount of dissolved CO2 was largest in the models with 

an intermediate amount of shale.  It was found that the fault did not affect the pressure 

distribution in the aquifer, unless the transmissibility was very low.  However, the distribution 

of CO2 was affected by the location of the well relative to the fault. 

 

 

Introduction 

There has been a growing concern about the use of fossil fuels and its adverse effects on the 

atmosphere.  With the ‘business-as-usual’ projection of consumption of fossil fuels, the 

amount of CO2 in the atmosphere is likely to rise dramatically, with serious consequences for 

the climate.  The growing concern in the global effects of greenhouse gases has resulted in 

several agreements between governments.  This is illustrated by international agreements such 

as the UN climate convention in Rio (1992), Kyoto (1997) and Buenos Aires (1998), 

committing the industrial countries to reduce their emissions by approximately 5% compared 

with the 1990 level.  This situation creates new technical and economic perspectives for the 

fossil fuel industries.  

 

Under the current political and economic outlook it is very unlikely that the dependency on 

fossil fuels (especially in developing countries with increasing populations) will decrease.  

Therefore there is an urgent need to develop innovative strategies for CO2 stabilisation to 

reduce emission through improved energy efficiency and/or mitigate them through waste 

stream capture and storage.  This approach currently stands alone as a practical near-term 

means of significant storage of CO2 emissions.  

 

Carbon dioxide abatement is a process by which carbon dioxide is captured from large point 

sources and stored indefinitely.  Geological storage is one the promising options for storage of 

significant quantities of CO2 for long-term scales (Bentham & Kirby, 2005; Chadwick et al., 

2001; Lindeberg & Bergmo, 2002;).  Carbon dioxide can be pumped into underground coal, 

oil and gas reservoirs and into saline aquifers.  There is ample evidence to suggest that these 



techniques can reliably retain stored carbon dioxide, as many naturally formed carbon dioxide 

accumulations have been found throughout the world.  

 

Deep saline aquifers seem to be the most promising sites for CO2 storage as they are widely 

distributed, underlie most point sources of CO2 emission and they are not limited by the 

reservoir size, unlike depleted oil and gas reservoirs. 

 

CO2 Disposal in Saline Aquifers - Process Overview 

To avoid the problems with two phase flow within the injection line and associated injection 

facilities CO2 is often injected at supercritical conditions.  The critical temperature and 

pressure for CO2 are 31.04ºC and 7.382 MPa respectively.  Therefore a minimum aquifer 

depth of 800m is required to sustain supercritical pressure (Pruess et al., 2003).  At conditions 

typical in the North Sea (pressure around 30MPa and temperature of 80C) CO2 is 

supercritical with liquid-like properties and it is less dense than the formation water (Pearce et 

al., 2000). 

 

The first and the only commercial scale project for CO2 disposal into the aquifer to-date is the 

Sleipner Vest project.  It is operated by Statoil and is located in the Norwegian sector of the 

North Sea.  The rich gas of the Sleipner Vest field contains sizeable amounts of CO2 (9%), 

but the gas sales contract limits the maximum amount of CO2 in the exported gas stream to 

2.5%.  CO2 is removed using an activated amine and is injected into a large deep saline 

aquifer (Utsira formation) (Chadwick et al., 2002; Nghiem et al., 2004; Zweigel et al., 2001).  

This formation is located approximately 800m below the seabed.  The CO2 injection rate in 

this project is around 1Mt per year since 1996 (Torp and Gale, 2003).  Since then CO2 has 

been injected at this rate without any significant operational problems.  

 

Carbon Dioxide Retention Mechanisms 

A review of geological storage of CO2, including storage in brine aquifers, is presented by 

Orr (2004), and modelling studies have been undertaken to simulate the process (Kumar et al., 

2005; Lindeberg et al., 2001; Lindeberg et al., 2002; Nghiem et al., 2004).  Since CO2 is less 

dense than the brine, it will also rise, until it reaches a low permeability barrier (or cap rock).  

On the other hand, CO2 is soluble in brine, and the resulting brine mixture is heavier than 

fresh brine, and so this mixture sinks.  A convective process may occur, in which heavier 

brine with dissolved CO2 falls, and fresh brine rises (Ennis-King and Paterson, 2005).  This 

process increases the amount of CO2 dissolution, as it increases the contact area of fresh brine 

with CO2. 

 

There are several ways in which CO2 may be trapped.  Firstly, there is hydrodynamic trapping 

(e.g. Nghiem et al., 2004) where CO2, as a separate phase, is trapped beneath an impermeable 

cap rock.  In addition, CO2 may be trapped at the pore-scale (Kumar et al., 2005).  This 

mechanism occurs in when the brine flows into a region previously invaded by CO2 (which is 

an imbibition process).  The amount of trapping is influenced by the CO2-brine relative 

permeability curves, including hysteresis and the residual CO2 saturation, which in turn 

depends on the rock composition and may vary from location to location.  

 

The second type of trapping is solubility trapping, mentioned above (e.g.  Pruess et al., 2003).  

The phase behaviour of the formation water-CO2 mixture controls storage in solution, and 

this depends on the water salinity, temperature and pressure.  For example, the solubility of 

CO2 in formation water at the prevailing temperature and pressure in the Utsira formation is 

reported to be approximately 53kg/m3 (Torp and Gale, 2003). 



 

Thirdly, mineral trapping may occur.  As CO2 dissolves into the brine, the acidity increases 

leading to the dissolution of some rock minerals and the precipitation of secondary minerals 

(e.g. Pruess et al., 2003; Kumar et al., 2005).  Although mineral trapping is the most 

permanent retention mechanism, it takes place over longer time scales than considered in this 

study, so we do not consider it further in this paper.  

 

Numerical Modelling Approach 

 

Aquifer Model Description 

In this study CO2 storage in a saline aquifer is modelled, using a reactive transport reservoir 

simulator (Computer Modelling Group, 2005).  It is assumed that dissolution occurs 

instantaneously, therefore the CO2 gas rich phase is always in equilibrium with the water 

phase with which it is in contact.  We also assumed isothermal conditions of 37C.  In the first 

part of this work, we have used a homogeneous model to study the effects of the following 

parameters on CO2 storage: CO2 diffusion in brine, vertical to horizontal permeability ratio 

(kv/kh), residual gas and water saturation, salinity and injection well completion interval.  

Additional tests on a heterogeneous model are described later. 

 

The dimensions of the aquifer model were 8km by 8km with a thickness of 200m.  The 

horizontal permeability (kh) was 4000md, the vertical permeability (kv) was 400md and the 

porosity was 37%.  The model was specified to be initially in static equilibration, with an 

initial aquifer pressure of 6.205MPa at a depth of 620m.  The initial water saturation was 

100% and the salinity of the formation water is assumed to be 3.2% by weight.  There was no 

dissolved gas in the aqueous phase at the beginning of the simulation.  The aquifer model was 

uniformly gridded in the three principal directions with 35 cells in x- and y-directions and 25 

cells in the z-direction.  The model details are summarised in Table 1. 

 

 

Grid 35  35  25 

Length 8 km 

Width 8 km 

Thickness 200 m 

Dip angle 0 

Horizontal permeability 4000 mD 

Vertical permeability 400 mD 

Porosity 37 % 

Depth of top structure 620 m 

Initial pressure (at datum 620 m) 6.205 MPa 

Initial temperature 37 C 

Initial water saturation 100 % 

Residual water saturation 0.105 

Water end point relative permeability 0.595 

Residual gas saturation 0.05 

Gas end point relative permeability 1.0 

Brine salinity 3.2 % by weight 

Injection rate 1.46  104 m3/day (0.514 MMscf/d) 

Injection point cell (18, 18, 10) 

Components H2O CO2 



Molecular weight 18.0 g/gmole 44.0 g/gmole 

Mass density at 6.205 MPa and 37 C 1.019  103 kg/m3 1.256  103 kg/m3 

Critical pressure 22.05 MPa 7.38 MPa 

Critical temperature 374.15 C 31.1 C 

Table 1 

Details of the homogeneous model. 

 

 

One injector was placed in the centre of the aquifer model at block (18,18).  Pure CO2 was 

injected for 30 years into layer 10, and this was followed by a 470 year shut-in period where 

density differences provide the driving force.  The injection rate was set to 1.46  104 m3/day) 

(aprox 10 kt/y).  

 

All calculations presented here are based on solubility data by Torp and Gale (2003).  In fact, 

data that is more representative over wider temperature and pressure ranges is available in the 

literature (eg Duan & Sun, 2003), although in this case the emphasis of this work is on 

developing a qualitative rather than quantitative understanding of the process.  The viscosity 

of water with dissolved CO2 was calculated through an internal algorithm within the 

software, and an allowance was made for the correction of water viscosity due to the effect of 

salinity.  In this study the effect of capillary pressure was ignored.  

 

Relative Permeability Data 

Among different proposed relative permeability curves for CO2-water-rock systems, the 

following sets of relative permeability models, which have been developed for a typical sand 

system, were used (Pruess et al., 2003): 
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lS  is the irreducible water saturation, which was set to 0.105.  The residual CO2 saturation, 

grS was 0.05, and the parameter m was equal to 0.6269.  In this study, we used the same 

relative permeability curves to model CO2 displacing water and water displacing CO2 (no 

hysteresis in relative permeability).  Figure 1 shows the relative permeability curves. 
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Figure 1 

The relative permeability curves. 

 

Simulation Results for Homogeneous Model 

For the homogeneous model, offtake at the outer boundary of the model was simulated by 

means of production wells.  These wells maintain reservoir pressure constant, effectively 

removing brine at the same (downhole) rate as gas is injected.  Gas does not reach the outer 

boundary of the model within the time frame of the simulations – thus all injected gas is 

conserved within the system.  The results are presented as a series of figures which show the 

distribution of the following quantities: the gas saturation, the CO2 mole fraction in the 

aqueous phase, the aqueous phase density, the pH value.  Figures 2, 3, and 4 illustrate the 

profiles at the time of shut-in, 100 years after shut-in and at the end of the simulation (500 

years).  In all of these figures, the model was cut-off in the J-direction at J=18, the plane 

containing the injector, so that the distribution of the various quantities can be clearly seen. 

 

Free Gas Profile (Figure 2a, 3a and 4a) 

During the injection period, the gas plume rises and immiscible CO2 reaches the top of the 

model within the first year.  Once at the top of the model, the CO2 migrates laterally.  After 

shut-in, the free gas in the plume moves up and the residual gas dissolves.  At 22 years after 

shut in, all the free gas is in the top layer.   

 

Dissolved CO2 (Figures 2b, 3b and 4b) 

The dissolution of CO2 into the saline water leads to an increase in the density of the mixture 

in the order of 2-3 % compared with fresh brine.  Therefore the CO2 saturated aqueous phase 

sinks, and as it does so, fresh formation water rises and comes into contact with the gas cap.  

This promotes the process of dissolution.  Note that this is a convective process similar to 

convective heat transfer (Ennis-King and Paterson, 2005).  

 

There is significant solubility trapping within the gas plume.  The residual water saturation 

within the gas plume is in equilibrium with the gaseous phase and the mole fraction of the 

CO2 in the residual water is higher than elsewhere in the aquifer, since the gas and residual 

water are in direct contact. 

 



The structure of the top of the aquifer may have a significant influence on the results.  If the 

aquifer has a structural trap like a dome, then the gas may concentrate in this small region, 

and this will tend to reduce the amount of CO2 dissolution.  However, if the top of the aquifer 

is extended laterally, more gas will migrate laterally, leading to an increase in the aerial 

contact between the gas and water, so more CO2 may dissolve.  But, in this case, there may 

be a danger of gas leakage through the lateral boundaries of the aquifer. 

 

 

Fine-Scale Distribution and Flow Patterns 

It is interesting to examine the distribution of free and dissolved gas in more detail.  Figure 5 

shows a plot of the gas saturation in the top layer after 500 years, as a function of distance 

from a point directly above the injection well.  It can be seen that the saturation fluctuates.  

This distribution is similar along any radius moving outwards from cell (18,18,1), so the gas 

saturation in the top layer is in the form of rings (Figure 6).  This pattern of rings may be 

understood by studying the flows of gas and water.  We have examined the flows in the top 

layer of the model and in the vertical plane at J=18, and summarise these in a schematic 

diagram in Figure 7. 

 

The movement of water is best described in terms of a 2D vertical cross section.  Note that in 

2D, the gas forms a "T" shape.  After shut-in the gas starts to dissolve into the brine, making it 

heavier so that it slumps.  As it slumps, it mixes with fresh brine which dilutes it.  The 

dilution decreases the velocity of the slumping (due to a decrease in density) and therefore the 

rate of CO2 dissolution decreases.  This makes the horizontal bar of the T-shape relatively 

stable.  However, at the borders of this region, the gas is in contact with more brine, and the 

brine migrates laterally inwards.  At the edge of the T-shape there is therefore more 

dissolution of CO2 in brine and more slumping.  This is why the T-shape droops at the sides.   

 

Also there is a large amount of water slumping in the centre of the model (the vertical part of 

the T-shape and below it).  As CO2 is injected, it rises, and partly dissolves in the brine, 

which becomes heavier and then slumps.  This shows that there are two main regions where 

slumping occurs: one in the centre of the model, and the other at the edge of the T-shape.  

However, there is also a small amount of slumping halfway between the centre and the edge 

of the T-shape (Figure 7).  This suggests that convection is developing in a manner predicted 

by Ennis-King and Paterson (2005).  (In fact, as noted by Ennis-King and Paterson (2005), a 

finer grid may resolve more fingers of descending CO2-rich brine).  In plain view from the 

top, this convection gives rise to rings of high and low gas saturations, as shown in Figure 6. 

 

In the base case calculation, 55.8% of the total injected CO2 was dissolved in the water phase 

after 500 years.  Of the fraction of CO2 remaining in the gas phase, some is trapped as 

residual gas, and some is free gas that has migrated to the top of the structure. 

  

A series of sensitivity studies was performed to determine the effect of the diffusion 

coefficient, the kv/kh ratio, the residual gas and water saturations, salinity and the location of 

the injection well completion.  The values of the parameters used in these tests are shown in 

Table 2. 

 

 

 

 

Sensitivity calculations CO2 dissolved in water after 500 years 



CO2 diffusion  

Without diffusion (base case) 55.8 % 

With diffusion 

Diffusion coefficient for CO2 at 37 C 

2.6  10-9 m2/s 

 

79.1 % 

kv/kh ratio  

kv/kh = 0.1 (base case) 55.8 % 

kv/kh = 1.0 76.5 % 

kv/kh = 0.01 37.4 % 

Residual water (Swr) and gas (Sgr) 

saturations 

 

Swr = 0.105; Sgr = 0.05 (base case) 55.8 % 

Swr = 0.3; Sgr = 0.3 52.4 % 

Salinity  

3.2 % by weight (base case) 55.8 % 

10.0 % by weight 39.2 % 

Injection point  

cell (18, 18, 10) (base case) 55.8 % 

cell (18, 18, 1) 45.1 % 

Table 2 

Values of parameters used in the sensitivity study and impact on dissolved CO2 in water after 

500 years. 

 

 

Effect of CO2 Diffusion in Water 

The dissolution of CO2 into the brine induces CO2 concentration gradients, which in turn 

causes CO2 to diffuse within the aquifer.  The results indicate that after 500 years more gas 

has been immobilised in the form of solubility trapping.  Due to the diffusion process the CO2 

concentration in each grid block is higher than CO2 concentration in the base case model.  

The diffusion promotes the transportation of CO2 in any grid block leading to dissolution of 

more CO2 and consequently enhances the effectiveness of solubility trapping. 

 

Effect of kv/kh Ratio 

An increase in the kv/kh ratio increases the amount of carbon dioxide which is immobilised 

due to solubility trapping.  As this ratio increases the rate of vertical migration of gas during 

injection period increases.  After shut-in, the water-CO2 mixture starts to slump, and the rate 

of slumping will be greater the higher kv/kh, leading to yet more dissolution Therefore the 

amount of dissolution is much higher in the high kv/kh case.  As the kv/kh ratio decreases, the 

lateral migration will become dominant and ultimately there might be a concern about 

possible gas leakage through the aquifer boundaries. 

 

Effect of Residual Gas and Water Saturations 

The effect of increasing the residual water saturation is beneficial in terms of ultimate storage 

capacity of the aquifer.  As the gas is being injected it displaces the water through immiscible 

displacement in the top layer and occupies its place.  However, a residual amount of water 

saturation remains.  This water is in direct contact with gas and is in equilibrium with gas at 

that pressure and temperature.  The concentration of carbon dioxide in the residual water in 

this region is the highest throughout the aquifer.  Therefore an increase in the residual water 

saturation is beneficial in terms of dissolving larger quantities of gas within the gas plume 



 

The effect of increasing the residual gas saturation is to immobilize larger quantities of gas 

within the gas plume.  It is in fact beneficial because while at the same time it decreases the 

effectiveness of solubility trapping mechanisms, it offers a promising alternative to 

immobilise large quantities of gas in the form of residual gas saturation. 

 

In the cases studied here, we increased both Swr and Sgr, and the overall result was a slight 

decrease in the amount of CO2 dissolved. 

 

Effect of Salinity 

As the salinity increases two effects contribute to reduce the effectiveness of solubility 

trapping.  The first effect is the reduction in solubility of CO2 in formation water.  The second 

effect is the increase in the partial molar volume of water.  As the salinity increases, the 

difference between partial molar volume of water and CO2 decreases.  Therefore the 

effectiveness of convective flow mixing decreases significantly.  Therefore, the increase in 

salinity significantly decreases the solubility. 

 

Effect of Injection Well Completion Interval 

When the well was completed in layer 10, the gas saturation around the injection well was 

still very high, around 0.9 after 500 years.  However when the well was completed in the top 

layer, contrary to expectations, the simulation showed that the gas saturation was much lower, 

around 0.1.  Also, comparison between this model and the base case model shows that, after 

500 years, less CO2 is trapped in the form of solubility trapping when the well is completed in 

the top layer.  These results can be explained using Figure 8, which illustrates the direction of 

water flow within the aquifer when the well is completed in top layer.  Completing the well in 

the top layer causes the injected gas to spread away from the injector almost instantaneously 

and therefore there is no water slumping at the centre of the plume.  However, in this case 

water slumping at the borders of the gas plume is dominant.  After slumping to the base of the 

model, water starts to return upward from the centre of the gas cap and simultaneously sweeps 

the gas outward and at the same time dissolves it.  As illustrated in Figure 9, after 500 years 

gas is swept outward from the injection zone in the top layer completion model.  In this 

situation the solubility trapping has been decreased.  However at the same time gas has been 

pushed away from the injection zone.  This is very beneficial in terms of the quality of the 

cement job.  If after, for instance, 500 years there is some leakage due to the failure of the 

cement the gas saturation around the injection zone has been decreased considerably and there 

is less danger compared to when the gas saturation around the injection well is about 0.9. 

 

Comparison with Other Results 

The simulation of CO2 injection into saline aquifers has been performed by a number of 

different research groups (e.g. Pruess et al., 2003; Nghiem et al. 2004; Kumar et al., 2005, 

Hovorka et al, 2004).  While there is broad agreement between authors, there are some 

differences, and it is worth comparing the results.  For example, the simulations by Nghiem et 

al. (2003) and Ennis-King and Paterson (2005) show evidence of convection due to the brine 

with dissolved CO2 being denser than pure brine.  However, Pruess et al. (2003) and Kumar 

et al. (2005) do not show this effect.  In the case of Pruess et al. (2003), this is because they 

do not model any change in the density of brine with dissolved CO2.  Since Hovorka et al 

(2005) (mentioned below) use the same fluid properties as Pruess et al (2003), they do not 

demonstrate any convection either.  On the other hand, Kumar et al. (2005) do take account of 

the increase in the density of brine with dissolution of CO2.  They point out that this increase 

in density decreases with increasing salinity.  However, in their base case model, the density 



difference is about 1%, which is the same as the value used by Ennis-King and Paterson 

(2005) for studying convection.  It may be that, in the case of Kumar et al (2005), their low 

value of kv/kh (for the base case) has suppressed convection, or that the high level of 

heterogeneity in some of their models has dispersed the descending fingers of high density 

brine. 

 

Note that while Pruess et al. (2003) conclude that the effectiveness for CO2 storage decreases 

with kv/kh, Ennis-King and Paterson (2005) conclude that a high kv/kh ratio is more 

beneficial, because this encourages convective mixing. 

 

 

The Effect of Heterogeneity 

Rocks are naturally heterogeneous, and this has to be taken into account when modelling CO2 

storage.  Different types of heterogeneities arise in different depositional environments.  In 

this study we focus on rocks similar to those in the Utsira Formation, which is the formation 

used for CO2 injection near the Sleipner Field.  An introduction to the geology of this 

formation is given by Zweigel et al. (2004).  Although there is some dispute as the to 

depositional environment of the Utsira formation, it is usually assumed that the Utsira 

sandstone was deposited as massflows or turbidite sands.  The sandstone is unconsolidated 

and has a high porosity and permeability, with a kv/kh ratio of approximately 1.  However, 

several thin shale layers (~ 1m thick) have been detected in seismic and wireline 

measurements.  These are expected to have very low permeability, so that they act as baffles 

or partial baffles.  They are not expected to be continuous, though, so that CO2 can migrate 

around them. 

 

Additional studies on the effect of geological heterogeneity have been carried out by Hovorka 

et al. (2004), using the Frio sandstone in Texas as an example.  Some of the models they 

considered include shale layers, and they point out that heterogeneity can aid the storage of 

CO2, by dispersing the flow paths, bringing the CO2 into contact with more brine. 

 

In the present work, three types of heterogeneity were investigated, the first two being related 

to the Utsira formation.  Firstly, we examined the effect of low level random variations in the 

permeability of the high permeability sandstone, and secondly we added stochastic shales to 

the model.  In the third case, we investigated the effect of a fault, although no large-scale 

faulting has been detected in the Utsira formation.  In all the models used for the 

heterogeneity study the grid size was 32  32  24, and the horizontal dimensions for each 

cell were 243.8 m  243.8 m.  In the models for the random heterogeneities and the fault, the 

cells were of uniform thickness of 6.55 m.  In the shale models, the total thickness of the 

model was the same, but the thickness was 7.62 m for the sandstone layers and 1.22 m for the 

shale layers. 

 

Effect of Random Permeability Variations 

Stochastic permeability and porosity models were created using sequential Gaussian 

simulation (Journel and Huijbrechts, 1978).  Several models were generated, as shown in 

Table 3.  In each case the average permeability was 4000 mD and the porosity, , was 

calculated by assuming that it was proportional to log permeability, k, using the following 

equation: 

 

 100.01 0.1*log (k)         (10) 

 



An example of one of the models is shown in Figure 10. 

 

Model number Standard deviation (mD) Correlation lengths (m) 

horizontal vertical 

1 1000 1951 26.2 

2 1000 975 13.1 

3 300 1951 26.2 

4 300 975 13.1 

 

Table 3 

The standard deviations and correlation lengths used in the stochastic sandstone models. 

 

The results for one of these models are shown in Figure 11.  (The results for the other models 

were broadly similar.)  They indicate that this level of heterogeneity does not have a large 

effect on the distribution of free CO2 gas, or dissolved CO2.  The gas plume still rises to the 

top of the model (Figure 11a).  However, the T-shape is distorted, as one might expect (Figure 

11b), because flow through the model will be concentrated on high permeability flow paths.  

Also the ring pattern in the gas saturation in the top layer is distorted (Figure 11c). 

 

Although the standard deviations in these models appear to be large (1000 mD and 300 mD), 

these models are not, in fact high heterogeneity models.  The coefficient of variation, Cv, is 

defined as standard deviation/average.  In the models here, Cv in permeability is 0.25 and 

0.075, whereas in very heterogeneous models, it may be greater than 1.  However, this level 

of heterogeneity is quite typical of massive high permeability sandstones, such as the Utsira 

sandstone.  

 

Effect of Shale Layers 

Reservoirs frequently contain shale layers, and it is known from studies of the Utsira aquifer 

that there are shale layers present (e.g. Zweigel et al., 2004).  For this study, a set of models 

were generated with four horizontal shaley layers (Al-Saaidi, 2004), using the method 

developed by Stephen et al. (2001).  All the models had the same dimensions as the previous 

model.  In each model, a different percentage of shale was specified for the layers: 

 

Model 1: 90% shale in each “shale” layer, 

Model 2: 50% shale in each “shale” layer, 

Model 3: 25% shale in each “shale” layer. 

 

Each shale layer was 1.22m thick and the cells with shale were assigned zero porosity and 

zero permeability.  The remainder of each model consisted of high permeability sandstone of 

4000mD, with kv/kh = 1.  In all cases, CO2 was injected into the centre of the bottom layer. 

 

In general, the shale layers prevent the gas moving up vertically, and also prevent the water 

saturated with CO2 moving vertically down, so there is therefore more lateral movement.  

The degree to which this occurs depends on the percentage of shale, as discussed below. 

 

The results for the 90% shale case are shown in Figure 12.  It can be seen that the shale has 

prevented the CO2 gas from reaching the top of the model (Figure 12a), and the saturation is 

highest in two “gas caps” beneath shales in the first and second shaley layers.  It can be seen 

that CO2 saturated brine is distributed beneath the CO2 gas caps.  There are no T shapes in 

this case, but this may be because the model is not fine enough to resolve them. 



 

When the percentage of shale is reduced to 50%, there are more gaps in the shales and so the 

CO2 gas can migrate further, although it does not reach the top of the model (Figure 13a).  

The CO2 saturated brine is distributed fairly uniformly in the regions invaded by the gas 

(Figure 13b). 

 

Figure 14 shows the results for the 25% shale model.  In this case there are sufficient gaps in 

the shales for the gas to reach the top of the model by the time of shut-in (Figure 12a).  The 

CO2 saturated brine is distributed fairly uniformly in a block which extends from the top to 

the bottom of the model (Figure 14b).   

 

Note that we have only shown the results for one realisation of each model here.  Different 

realisations will have gaps in the shales in different places, so the distributions of free and 

dissolved CO2 will vary.  However, the overall picture is clear: an impermeable shale body 

will stop the vertical rise of the CO2 gas, and will encourage lateral movement of the gas 

beneath the shale.  This lateral movement will continue until a gap in the shale is encountered 

(unless the lateral movement has stopped because the injection has ceased, or the CO2 has all 

dissolved in the brine).  The higher the percentage shale the more likely the gas will become 

trapped beneath one of the lower shales.  The effect of the shales on the distribution of 

dissolved CO2 is to inhibit the downward movement of the heavier brine, and again 

encourage more lateral movement.  The characteristic T-shape which develops in the 

homogeneous model is no longer present, and the CO2 saturated brine seems to have a more 

uniform distribution in the regions invaded by the CO2 gas.  However, this may be partly due 

to lack of resolution in the model.  

 

Effect of a Fault 

In the third heterogeneous model, a fault was placed in the plane I=14.  It had a throw of 

6.55m, and was 1 cell thick in the I-direction, and extended across the whole model in the J- 

and K- directions.  The cells on the left of the model were shifted down relative to the cells on 

the right.  The transmissibility of the fault was varied from 0 (complete barrier) to 1 (no 

effect).  The well was initially placed at location I=16, J=16 and completed in layer K=10. 

 

Figure 15 shows the pressure in the well block as a function of time for different fault 

transmissibilities.  As expected the greatest increase in pressure occurs when the fault 

transmissibility is zero – i.e. the fault is completely sealing.  When injection stops after 30 

years, the pressure decreases due to the dissolution of CO2 in brine.  The largest decrease 

occurs in the case of the sealing fault.   

 

When the transmissibility is non-zero, one would expect that the CO2 gas would flow across 

the fault.  However, as shown in Figure 16, the well is in the upper of the two compartments, 

so the gas stays in this compartment because of buoyancy.  It is only when the well is moved 

to the left (lower) side of the fault that the gas plume forms on both sides of the fault (Figure 

17). 

 

The distribution of dissolved CO2 therefore depends critically on the location of the well.  If 

the well is on the right side of the fault (upper compartment), the dissolved CO2 forms largely 

in that compartment, even when the transmissibility is high.  On the other hand, when the well 

is on the left side of the fault (lower compartment), the dissolved CO2 is distributed on both 

sides of the fault, because the gas plume is on both sides. 

 



Conclusions 

In this paper CO2 storage in a deep saline aquifer has been presented, with emphasis on the 

hydrodynamic and solubility trapping mechanisms.  The convective flow-mixing pattern 

within the homogeneous aquifer due to the increase in the CO2-brine density has been shown 

to play the most important role in the ultimate fate of CO2 as it promotes further dissolution 

of carbon dioxide.  

 

The effect of CO2 diffusion rate in brine was found to be very important with respect to 

ultimate distribution of CO2 between various phases.  Also the kv/kh ratio had a significant 

effect: at low kv/kh ratios where there is more lateral migration of the gas and the efficiency 

of vertical slumping process decreases significantly, while an increase in this ratio is 

beneficial as it enhances the convective flow pattern within the aquifer leading to more CO2 

trapped in the form of dissolution trapping.  Salinity was found to decrease the effectiveness 

of solubility trapping drastically and leaves a high percentage of CO2 in the gas phase.  

Increase in the residual gas saturation was found to be very beneficial in terms of 

immobilising large quantities of CO2 while at the same time decreasing the solubility of CO2 

in brine.  Increase in residual water saturation is in fact beneficial as it allows more of the 

CO2 in the gas plume to dissolve.  The effect of completing the well in the middle or bottom 

layers gives benefit in terms of increasing the solubility of CO2 in brine; however it leaves 

high gas saturation even after 500 years around the injection well. 

 

Conclusions from Heterogeneity study 

The low level heterogeneity did not have much effect, although it did distort the pattern in the 

gas saturation which was seen in the homogeneous case. 

 

The presence of shales did, however, have a large effect.  As the percentage of shale 

increases, the CO2 gas tends to become trapped beneath the lower layers of shale and moves 

laterally rather than vertically.  The amount of dissolved CO2 tends to be larger in the models 

with an intermediate amount of shale. 

 

A fault does not affect the pressure distribution in the aquifer, unless the transmissibility is 

very low (tending to zero).  However the distribution of the free and dissolved CO2 was 

affected by the location of the well, even when the transmissibility was 1, when it might be 

expected to have no effect.  If the well was placed in the upper compartment, the gas only 

rose upwards in this compartment, and dissolved CO2 stayed mainly in this compartment. 

 

Implications for Geological Storage of CO2 in Heterogeneous Aquifers 

The first part of this paper compared the importance of different mechanisms for CO2 

trapping as a function of various parameters.  It was shown that the most important trapping 

mechanism at time scales of a few 100 years is solubility trapping, depending on the 

assumptions made about diffusion and the impact of reservoir properties, such as kv/kh, 

residual saturation, formation brine salinity and the location of the injection point, although 

hydrodynamic trapping is also significant under all the scenarios studied.  The dissolution of 

CO2 is enhanced by the fact that convective movement is set up in the aquifer with fresh brine 

moving upwards and CO2-saturated brine moving downwards.  Therefore the best type of 

aquifer for storing CO2 is one where solubility trapping is maximised. 
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a) Gas Saturation 

b) CO2 mole fraction in aqueous phase 

c) Aqueous phase density (kg/m3) 

d) pH 

Figure 2 – Profiles at the time of Shut-in. 
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a) Gas Saturation 

b) CO2 mole fraction in aqueous phase 

c) Aqueous phase density (kg/m3) 

d) pH 

Figure 3 – Profiles 100 years after Shut-in. 
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a) Gas Saturation 

b) CO2 mole fraction in aqueous phase 

c) Aqueous phase density (kg/m3) 

d) pH 

Figure 4 – Profiles after 500 years. 
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Figure 5. Gas saturation profile at the top layer at the end of simulation (after 500 years). 

 

 

 

 

 

 

 

 

 
Figure 6. Aerial view of gas saturation profile after 500 years. 

The legend shows the gas saturation, and the concentric rings 

indicate the maxima and minim in the gas saturation distribution. 
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Figure 7 

Schematic diagram of flows of brine after 100 years shut in.  The thickness of the arrows 

indicates the flux.  Dark blue arrows show the descent of brine and dissolved CO2, light blue 

arrows indicate the scent of fresh brine.  The small black circle in the centre shows the 

location of the injector.  The coloured squares at the top of the model indicate the gas 

saturation, with red representing a high gas saturation.  (Note that only part of the model is 

shown for clarity.) 



 

 

 

Figure 8 

Schematic diagram of the flow of brine in the case where the well is in the top layer.  The 

thickness of the arrows indicates the flux.  Dark blue arrows show the descent of brine and 

dissolved CO2, light blue arrows indicate the scent of fresh brine.  The small black circle in 

the centre shows the location of the injector.  The coloured squares at the top of the model 

indicate the gas saturation, with red representing a high gas saturation.  (Note that only part of 

the model is shown for clarity.) 

 

 

 

 

 

    
Figure 9. Gas saturation in top layer after 500 years.  (Well completed in layer 10 shown on 

left (base case model) and well completed in top layer on right) 



 

 
Figure 10 

Example of one of the models with random heterogeneities (top layer only).  This model had a 

short correlation length and high standard deviation. 

 



 

a) Free gas saturation. 

 

b) CO2 mole fraction in the aqueous phase. 

 

c) Free gas saturation in the top layer. 

 

Figure 11 

The simulation results for the model in Figure 10, after 289 years. 



 

 

 

 

Figure 12 

The results for the 90% shale model.  Top: the free gas saturation at the time of shut-in.  

Bottom the CO2 mole fraction in the aqueous phase, 100 years after shut-in. 



 

 

 

 

Figure 13 

The results for the 50% shale model.  Top: the free gas saturation at the time of shut-in.  

Bottom the CO2 mole fraction in the aqueous phase, 100 years after shut-in. 

 



 

 

 

 

Figure 14 

The results for the 25% shale model.  Top: the free gas saturation at the time of shut-in.  

Bottom the CO2 mole fraction in the aqueous phase, 100 years after shut-in. 
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Figure 15 

The pressure in the well block as a function of time for different fault transmissibilities. 

 



 

 

 

Figure 16 

The results for the well in the upper block.  The fault transmissibility was 0.5. 

Top: The free gas saturation at shut-in. 

Bottom: The mole fraction of CO2 in the aqueous phase, 100 years after shut-in. 



 

 

 

 

 

Figure 17 

The results for the well in the lower block.  The fault transmissibility was 0.5. 

Top: The free gas saturation at shut-in. 

Bottom: The mole fraction of CO2 in the aqueous phase, 290 years after shut-in. 

 


